         Regional Technical Forum Meeting Notes

                                          April 29, 2008

                  DRAFT

1. Greetings and Introductions.

Tom Eckman welcomed everyone to today’s meeting. The following is a summary (not a verbatim transcript) of the topics discussed and decisions made at this meeting. Anyone with questions or comments about these notes should contact Eckman at 503-222-5161.

The notes from the March 25 RTF meeting notes were corrected and approved.

2. Presentation on Transmission System Losses and Shape.

Massoud Jourabchi led this presentation, titled “Transmission System Losses and Variability.” Major topics included:

· Transmission losses assumptions

· Transmission loss factor seasonal variation WECC wide (graph)

· Example of transmission loss factors daily variation – a day in July (graph)

· Example of transmission loss factors daily variation – July WECC system peak day (graph)

· Transmission loss as percent of load – NWPP system peak in January (graph)

Jourabchi then offered the following findings of interest and recommendations:

· Transmission losses are not flat

· Transmission losses are higher during the off-peak than during peak periods (transmission losses are dependent on the transmission line loading and distance, not load; loss as a percentage of load may be lower when loads are lower)

· Annual transmission losses are higher than previously assumed 2.5%

· Recommendation: reflect time of day and seasonable variability of transmission loss factors in conservation analysis and Procost based on TEPPC study

· Recommendation: increase annual transmission losses to 4% on average

· Recommendation: future areas of review – periodic review of transmission losses as WECC dispatch changes; update size and time differentiation of distribution system losses (need utility assistance). 
Is the seasonal variability taking into account degree-days? Another participant asked. To a certain extent, Jourabchi replied – the loads we factored in were weather-normalized. Still, the really cold days are when demand will be highest, the participant said. It’s a function of line-loading and line length, Eckman said – as loads go up, losses will increase. I haven’t gotten my mind wrapped around the math for this yet, but I suspect there is a way to capture it, he said.

We’re currently assuming line losses in the distribution networks at a flat 5 percent, Eckman said. For limited geographic service areas like Seattle, line losses are probably less than 5 percent, while in rural areas, they may be closer to 10-12 percent. We have a happy medium right now, but Charlie and I have been discussing the possibility of developing a line losses catalogue that would give us more specific data. Perhaps line losses per customer line-mile would be a way to get at those estimates, he suggested.

Jim Lazar showed the group a graph of marginal losses and average losses versus % system loading.  The purpose of this was to assign differential values to demand response measures, said Lazar. The savings associated with this are substantial, and are, in fact, much more valuable than the kilowatt you save itself. This is a percentage of the actual maximum system load. We know what the limits are, Lazar said; one of the things we’re trying to figure out is how much load we’re serving at a given moment, and if we can figure that out at the meter, what does that do for us on the generation side? 

With respect to the incremental I-squared-R methodology, in coming up with the 30 percent, what incremental change in load were you assuming? Mike Mann asked. The incremental loss from the 8,750th hour to the 8,800th hour, Lazar replied -- the change in losses over the last 50 hours of the load duration curve, or about 300 MW. So it’s the ratio of the two numbers? Mann asked – 275 squared to 300 squared? It’s the percentage change squared, Lazar said -- basically, every megawatt you save in the line saves you 1.3 megawatts on the generation side. In theory, I like the marginal case, especially if you’re trying to back down the peak, Mann said. The 30 percent just seemed like a really high number. Basically, what we’re saying is, when the system gets hot, losses increase, Lazar said.

Have you calculated how many hours a year the system is at 100 percent? Another participant asked. I hope never, Eckman replied – certain portions of the system might near capacity, but then the power is automatically rerouted. 

Can you say whether sales to customers outside the region are impacting this? Another participant asked. It could be B.C. Hydro or us shipping juice south, Eckman said – in some cases it’s us selling, and in some cases it’s us buying. Losses are a consequence of running an interconnected system. The marginal losses in any hour are higher than the average losses, Lazar said – they’re exponential. 

And how will these loss factors be used? Bruce Cody asked. The goal of this agenda item is to determine whether they will be used, and how, Eckman replied. Jim has recommended that we make an additional calculation to determine marginal system losses at whatever loading was in place at that time, he added; we would then plug these calculations into Procost.

What about transmission capacity costs? Another participant asked. That’s another agenda item, Eckman replied.

Should we increase transmission system losses to an average of 4% and modify them to reflect seasonal variability using? Eckman asked. Lazar put this suggestion in the form of a motion; this motion was seconded and unanimously approved. Lazar then moved that when evaluating marginal transmission system and distribution system losses, if actual system losses are unknown,  the RTF use two times the average system losses for the load shape of those measures. This motion was seconded and unanimously approved. We need some idea of what transmission system loading is at the time we’re talking about the load shape of the resource, during certain periods of the year, Eckman said. We’ll try to come back to you at the next meeting with an appropriate number. 

3. Presentation on 6th Power Plan Draft Avoided Cost Forecast and the Marginal CO2 Offset Value of Conservation Savings. 

Maury Galbraith led this presentation. Among the highlights:

· Interim Wholesale power price forecast

· Revised AURORA inputs

· Revised natural gas prices (graph)

· Revised CO2 emission prices (graph)

· Summary of RPS modeling (table)

· Interim base case – WECC resource expansion 2007-26 (graph)

· Interim base case – PNW resource expansion 2007-26 (graph)

· Interim high capital cost case – WECC resource expansion 2007-26 (graph)

· Interim high capital cost case – PNW resource expansion 2007-26 (graph)

· Interim high capital cost case – WECC resource mix 2007-26 (graph)

· Interim high capital cost case – PNW resource mix 2007-26 (graph)

· Base case price comparisons – Mid-C annual average prices (graph)

· Sensitivity case price comparisons – Mid-C annual average prices (graph)

· Interim high capital cost case – annual average prices by load segment (graph)

· Interim high capital cost case – annual average prices by load segment (graph)

· Thoughts on avoided costs: avoided costs are associated with avoidable (or planned) resources; logically come after a resource plan; guide resource decisions between plans; long-term concept; depend on load-resource balance; if “long,” resources, plan for wholesale sales; if “short” resources, plan to acquire resources. Are RPS resources avoidable? In general, every MWh of EE avoids a fraction of a utility’s required RPS resource development, even though EE is typically a zero GHG emission resource.

· Blended avoided cost methodology (graph)

· Upcoming AURORA input revisions – demand forecast for Pacific Northwest; demand forecasts for other WECC areas; revised hydro inputs; revised wind modeling; AURORA version 9.1; others yet to be identified.

· Marginal CO2 offset value of conservation

· Sensitivity case CO2 production – WECC annual emissions (graph)

· Sensitivity case CO2 production – NW annual emissions (graph)

· Marginal CO2 production rates

· Use AURORA hourly output to identify the marginal resource in each hour (graph)

· Interim high capital cost case – PNW marginal resource mix (graph)

· Interim high capital cost case – marginal CO2 rates greater than average CO2 rates (graph)

· Interim high capital cost case – marginal CO2 production rates by load segment (graph)

· Use AURORA hourly output to identify the marginal resource in each hour (graph)

· High capital cost/High CO2 price case – PNW marginal resource mix (graph)

· High capital cost/high CO2 price case – higher marginal CO2 production rates (graph)

· High capital cost/high CO2 price case – higher marginal CO2 rates but lower annual CO2 emissions

Galbraith then added the following final thoughts on CO2 offset value:

· Under interim high capital cost case assumptions, the average marginal CO2 production rate of the northwest power system is expected to range between 0.7-0.8 lbs of CO2 per kWh

· Marginal CO2 production rates vary significantly by hourly load segment (-9% to +33% of all-hour average)

· The CO2 offset value of (flat output) conservation ranges between $0 and $5 per MWh under base case CO2 emission price assumptions (in constant 2006 dollars).
With respect to wind, do we have the physical capacity to put this much wind into the appropriate areas? One participant asked. The short answer is yes, Galbraith replied. Does this include imported energy? Another participant asked. No – this is in-region resources only, Galbraith replied.

Is there a significantly higher value to the RPS resources because they could be sold into the market as “green?” one participant asked. If so, instead of avoided costs, are you really talking about the avoided opportunity of the higher green power sale? If you’re asking whether green power will be sold at a premium in the future, my understanding is that, if you’re mandated to get 15 percent, you have to own that 15 percent, another participant replied. If you’re selling that 15 percent on the market, you’re essentially selling that resource. Also, does this reflect the cost cap? He asked. No, Galbraith replied – we haven’t yet done detailed analysis of the cost caps. 

It seems to me that this calculus is immensely more complicated than what you’re showing here, Lazar observed, because of the non-cost-effective resources that are being forced in. We need to have the whole picture of the benefits, rather than just a partial picture. I think we all agree, and if we can figure out a way to model that, we will, Eckman replied.

In terms of what this means to us, we won’t be revising the avoided cost estimates we use in planning and tracking our deemed measures until the new Power Plan is adopted in 2009, Eckman noted. 

We will be putting a marginal cost and load shape file out on the web with these new numbers in it, Eckman said. Is there any way to factor in low, medium and high water years to this analysis? One participant asked. That would be difficult, Galbraith replied. It seems to me that there would be an asymmetric variance to that calculation, the participant observed. There is capability, within AURORA, to factor in water supply, another participant added.

4. Presentation on Sensitivity of CO2 Emissions to Natural Gas Prices. 

Jim Lazar then provided information on the work he has been doing on the California greenhouse gas law. He provided four slides:

· Natural gas price forecast (graph)

· Operational changes of California generation with carbon prices (graph)

· Change in imports of out-of-state fossil generation with different natural gas and carbon prices (graph)

· Implied carbon price for new low-carbon capital investment (graph).

With respect to the first slide, he noted that actual natural gas prices are currently outstripping all forecasts by a significant margin. With respect to the second slide, Lazar noted that there are 24 coal plants in California, many of which actually have very high CO2 emissions. The CO2 price within this range has very limited impact on the dispatch of resources within California, he noted. At $90 per ton, coal generation becomes more expensive than gas combined-cycle resources. With respect to the third slide, Lazar said that, at $6 gas, coal starts to drop off in favor of gas generation at about $40 per ton. At $60 per ton, coal has all but disappeared, he noted. At $8 gas, coal doesn’t start dropping off until carbon passes $60 per ton; at $10 gas, it doesn’t drop off until carbon reaches $80 per ton. In other words, gas prices make a huge difference, Lazar said. With respect to his final slide, he said that what this is basically intended to show is, at what point does it become cost-effective to exceed the California emission reduction requirements? Basically what this shows is that coal comes off at $100 a ton, and it isn’t cost-effective to add wind until you get to about $160 per ton, he said.

So that’s Power Planning 101, Eckman said -- all of this, somehow, will factor into our energy efficiency planning. In response to a question, Eckman said all of Lazar’s slides are available on the RTF website.
5. Discussion of Scope, Budget and RFP for the Direct Use of Gas Study. 

I talked with Grant Ringle at PSE, our contact for this study, and they have committed to provide funding to develop a scope of work and issue an RFP, not to exceed $15,000, to be based on the 1994 Council study, Eckman said. The idea is to fill potential gaps in our analysis of the need for new resources. The study would include the characterization of those new resources; we would put them in as small sources of generation in competition with everything else we analyze for the Plan, Eckman explained. Basically, we will be looking at whether it would be advantageous to add this as a resource, and whether we need some programmatic activity to get it, if it turns out to be a good idea, he said – we will create a supply curve for fuel conversion, and it will compete against every other resource. But first we need to determine whether there is anything there worth pursuing, he said. 

What we’re soliciting today is your approval to accept this money, and to ask Adam Hadley to write up the scope of work and the RFP, Eckman explained. Will the new scope consider new construction as well as existing single-family homes? One participant asked. It will certainly cover existing homes, and we may look at new homes as well, Eckman replied. What about multifamily housing? The participant asked. Our intent is to look across the entire housing spectrum. Eckman replied. Bruce Cody moved that the RTF approve the acceptance of the funding to develop a scope of work and RFP for this project, and to contract with Hadley to undertake these tasks. This motion was seconded and unanimously approved. 

6. Presentation, Discussion and Decision on Distribution Efficiency Initiative Savings Calculator. 

K.C. Fagen used the overhead projector to provide a detailed demonstration of the DEI calculator. The costs that are in here are about half of the avoided costs we discussed earlier today, and look suspiciously like the Bonneville EF rates, said Lazar. If utilities are going to be evaluating these things using EF rates as their avoided costs, that’s going to give us a very different answer than if you use a different rate, he said. You can plug in whatever number you prefer, Fagen said – maybe we could add a user interface that will allow you to select different rates. Can we input time-differentiated cost data? Another participant asked. There are some escalation factors, but to use this tool, you would need to line up your cost and run the escalation, Fagen replied. 

Adam Hadley then offered a presentation on the calculator, touching on the following major topics:

-- Where the savings are expected to come from (pie chart) 

-- Calculator overview (inputs and outputs)

-- Calculator primary issues: calculator does not output substation power losses (approximately 33% of the savings), secondary line losses (approx. 3% of the savings), and I2R loss calculation may need revision; TRC analysis added to calculator (O&M costs input, TRC analysis output).

-- What’s the measure life? 15 years for all?

-- Reminder: DEI study had two monitoring components: load research and pilot demonstration.

-- Change in kW from load research (graphs)

-- Delivered energy savings shape (graph)

-- Change in V from load research (graphs)

-- I2R loss load shape (result: negative savings) – graph

-- Transformer no-load loss savings (graphs)

-- Pro Cost => regional NPV (table)

-- Issues with these load shapes: averaged seasonal shapes do not take weekday/weekend into account, peaks are hidden in the averaging; delivered energy savings shape heating/cooling system type is averaged for the region, and delta kW from HVRs is different from delta kW from a change in LTC settings at the bus/feeder; I2R loss savings shape is complex; transformer no-load loss savings shape needs pilot demonstration data to determine how different it is from flat.

Hadley then offered the following questions for the RTF:

· What is needed for approval of the calculator?

· What should the measure life(s) be?

· Is load shape analysis on the right track?

The group devoted a few minutes of discussion to the issue of measure life. Obviously we need to look at what is really cost-effective to improve the system, one participant noted. We may need to do those improvements incrementally. The lowest-hanging fruit will be picked first, Hadley replied; in terms of measure life, I’m looking for the sweet spot. Choosing the measure life is going to be a real judgment call. There are risks associated with lack of persistence, and Bonneville bears more risk in that arena than the self-funded participants, Eckman observed. One question is, is there a way to weight the savings to take measure life into account?

After a few minutes of further discussion, Hadley asked if, in the RTF’s opinion, he is on the right track. There was general agreement that he is. Basically, we’re going to ask Adam to keep moving forward with this; we will have some sideline conversations about load shaping and other issues, Eckman said. In response to a question, Eckman said that the savings Hadley develops will be factored into the 6th Power Plan.
7. Update on Grocery Store Gasket Research. 

Tim Steele led this presentation, touching on the following major topics:

· History

· Phase 1: literature search and lab testing plans – door gaskets, strip curtains and automatic door closers

· Laboratory testing: expected outcomes: assessment of the importance of door closers on energy use of refrigerated cases, projected annual energy savings at test conditions for door gaskets, strip curtains and automatic door closers; additional tests?
What’s the time-frame for this effort? Eckman asked. The first step is to get a contract in place, Steele replied; if we can get approval for this effort, we can probably get that in place by next week, and should have results to share with the RTF by July. 

8. Next RTF Meeting Date.

The next meeting of the Regional Technical Forum was set for May 27. Meeting summary prepared by Jeff Kuechle, NWPPCC contractor. 
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	Hadley Energy Engineering LLC
	adam@hadleyenergy.com
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	NWPCC
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	Mason PUD 3
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	Bruce Cody
	BPA
	bwcody@bpa.gov
	503-230-7314

	Jim Williams
	JC Williams Consulting, LLC
	jimw1@web-ster.com
	503-266-3991

	Mark Jerome
	Pacific Air Comfort
	Lmj18231@msn.com
	541-391-0620

	Bob Lorenzen
	EWEB
	Bob.lorenzen@eweb.eugene.or.us
	541-341-1837
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	WSU Energy Program
	halesd@energy.wsu.edu
	509-477-6702
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	WSU Energy Program
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	jesteiner@snopud.com
	425-783-1845

	Kevin Smit
	EES Consulting
	smit@eesconsulting.com
	425-889-2700

	Ken Eklund
	IOER
	ken.eklund@oer.idaho.gov
	208-287-4895

	Eric Brateng
	Puget Sound Energy
	eric.brateng@pse.com
	425-456-2325

	Pete Pengilly
	Idaho Power 
	ppengilly@idahopower.com
	208-388-2281

	Jim Lazar
	Micro Design NW
	jim@jimlazar.com
	360-786-1822

	Gurvinder Singh
	Puget Sound Energy
	gurvinder.singh@pse.com
	425-456-2428

	Pamela Sporborg
	BPA
	pjsporborg@bpa.gov
	503-230-3170

	Maury Galbraith
	NWPCC
	mgalbraith@nwcouncil.org
	503-222-5161

	Pete Catching
	Energy Trust of Oregon
	Pete.catching@energytrust.org
	503-459-4067

	Ottie Nabors
	BPA
	ofnabors@bpa.gov
	503-230-4002

	Jeff King
	NWPCC
	jking@nwcouncil.org
	503-222-5161
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	NWPCC
	kcorum@nwcouncil.org
	503-222-5161

	Lynn Anderson
	Idaho PUC
	Lynn.anderson@puc.idaho.gov
	208-334-0353

	Don Jones, Jr.
	PacifiCorp
	JR_don.jones@pacificorp.com
	503-813-5184

	Tim Steele
	BPA
	trsteele@bpa.gov
	503-230-3303

	Stephen Achilles
	PECI
	sachilles@peci.org
	503-961-6121
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	ETO
	
	

	Fred Gordon
	ETO
	
	

	Gary Smith
	BPA
	
	

	Massoud Jourabchi
	NWPCC
	mjourabchi@nwcouncil.org
	503-222-5161
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	Eugene Rosolie
	PNGC
	
	

	Kathy Moore
	Umatilla Electric
	
	

	Michael Mann
	Consultant
	
	

	Syd France
	PSE
	
	

	Rich Arneson
	Tacoma Power
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